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’M o Independent M ar ket Rule Amendment Submission

Thisform is used to request an amendment to, or clarification of, the Market Rules Please complete
the first four parts of this form and submit the completed form by email or fax to the following:

Email Address; Rule.Amendments@thelMO.com
Fax No.: (416) 506-2847 Attention: Market Rules Group

Subject: Market Rule Amendment Submission

All information submitted in this process will be used by the IMO solely in support of its obligations
under the Electricity Act, 1998, the Ontario Energy Board Act, 1998, the Market Rules and associated
policies, standards and procedures and its licence. All submitted information will be assigned the
confidentiality classification of “public” upon receipt. Y ou should be aware that the IMO will publish
this amendment submission if the Technical Panel determines it warrants consideration and may
invite public comment.

Terms and acronyms used in this Form that are italicized have the meanings ascribed thereto in
Chapter 11 of the Market Rules

PART 1 —-SUBMITTER’S INFORMATION

Please enter contact information in full

Name IMO Staff

(if applicable) Market Participant / Market Participant Class:
Metering Service Provider No.™:

Telephone: 416-506-2801 Fax: 416-506-2847

Email Address; ruleamendments@theimo.com

PART 2 — MARKET RULE AMENDMENT SUBMISSION INFORMATION

Subject: Functional Deferral 6 — Adjusting Dispatch Instructionsto the Defined M etering Point

Title: Removing Functional Deferral 6 From the Market Rules

Nature of request (please indicate with X): X Alteration__ Deletion__ Addition
Clarification

Chapter: 9 Appendix: Sections:3.1.4A.1,3.1.4A.2

! This number is amaximum of 12 characters and does not include any spaces or underscore.
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PART 2 — MARKET RULE AMENDMENT SUBMISSION INFORMATION

Sub-sections proposed for amending/clarifying :

PART 3 — DESCRIPTION OF THE | SSUE

Provide a brief description of the issue and reason for the proposed amendment. If possible, provide a
qualitative and quantitative assessment of the impacts of the issue on you and the IMO-administered
markets. Include the Chapter and Section number of the relevant market rules.

Description and intent of functionality: for settlement purposes, dispatch instructions would be
adjusted from the operational meter to the defined metering point. The goal was that al settlement
calculations would be based on the defined metering point. Currently, energy settlements at defined
metering point; CM SC payment calculations use both the operational meter and the defined
metering point.

This functionality was originally deferred prior to market commencement due to the complexity
and cost of implementation relative to the limited improvement in settlement accuracy.

Due to competing priorities since market opening (e.g. work on market pricing issues and Bill 210
implementation effort) the IMO was not able to develop and implement the required functionality
by the time the approved deferral, as articulated in the market rules, expired, which was March 1,
2003. After aninitia investigation of the impact of this functionality, the IMO believed that an
more in-depth study was required to identify and better understand the implications on the market
and on the IMO and market participant systems of implementing the functionality and to determine
whether or not the implementation of this functionality would materially benefit the marketplace.

The IMO sought and received an exemption to chapter 9, section 3.1.4A of the market rules for the
period of March 1, 2003 to August 1, 2003. Interim Exemption #01-1283 stayed the obligation to
implement the functiondity of adjusting dispatch instructions to the defined metering point. The
exemption was granted on the following conditions.

The IMO was to provide a detailed study to identify and better understand the implications on the
marketplace;

The IMO was to identify and understand the impacts associated with implementing the
functionaity (Market Participants and the IMO);

The IMO was to determine whether or not the implementation of this functionality will materially
benefit the marketplace; and

The IMO was to stakeholder its recommendations with Market Participants.

In accordance with the requirements documented in the exemption the IMO has completed its
investigation as to the impacts of not trandating the market schedule and dispatch instruction values to
the defined metering point. Refer to Attachment A for the detailed results of that investigation and

analysis.

The subject functionality if implemented would only have the impact of changing the determination of
Congestion Management Settlement Credit (CMSC) payments. The results of the analysisindicate
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PART 3 — DESCRIPTION OF THE | SSUE

Provide a brief description of the issue and reason for the proposed amendment. If possible, provide a
qualitative and quantitative assessment of the impacts of the issue on you and the IMO-administered
markets. Include the Chapter and Section number of the relevant market rules.

that:

The impact on CM SC payments had this functionality been in place would be a net decrease of
CMSC paymentsin the range of $100,000 to $200,000 since market commencement. When
compared to an annual cost of approximately $109 million in CMSC payments, this decrease
represents approximately 0.1 to 0.2% of the total CM SC payments made. This decrease is judged
to be not significant compared to the total CM SC payments.

the relative costs to the IMO and Market Participants of implementing the functionality and has
determined the costs could range from approximately $340,000 to $700,000 depending upon the
implementation details.

Based on this economic analysis, it appears that the benefits of implementing the subject deferred
functionality do not justify the cost of implementation. There are also additional considerations that
impact on a decision to implement or not implement this functionality, including market participant
installation of hybrid meters (operational meters and revenue meters at the same point) and existing
market participant bid and offer strategies in response to the existing functionality. These additional
considerations, which are more fully discussed in Attachment A, also tend to support not implementing
the subject deferred functionality.

PART 4 — PROPOSAL (BY SUBMITTER)

Provide your proposed amendment. If possible, provide suggested wording of proposed amendment.

Given the relatively low impact on CM SC payments, compared to the participant and IMO cost and
effort to implement the functiondity, the IMO is proposing to remove the need for this functionality
from section 3.1.4A of Chapter 9 of the market rules.

PART 5—FORIMO Use ONLY

Technical Panel Decision on RuleAmendment Submission
MR number: MR-00237-Q00

Date submitted to Technical Panel: May 20, 2003

Accepted by Technical Panel as._ X General___Urgent Date: May 20, 2003
Minor . |
(please indicate with X)

Criteriafor acceptance: j): The expected or perceived benefits of the amendment exceed the
expected or perceived costs of implementation.
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PART 5—FORIMO Use ONLY

Priority: Medium

Criteriafor assigning priority: d): Practical consequences. the extent to which the proposed
solution islikely to be acceptable generally.

Not accepted (please indicate with X):

Clarification/inter pretation required (please indicate with X):

Technical Panel minutesreference IMOTP 126-1

Technical Panel Comments:
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Attachment A — Executive Summary

Adjusting Dispatch Instructions to the Defined Metering Point
Functional Deferral 6

Regarding the matter of the Interim Exemption #01-1283 which stays the obligation to implement the
title functionality, the IMO recommends that, due to the relatively low financial market benefit
compared to the market cost of implementation, the requirement to adjust dispatch instructions to the
defined metering point be removed from the existing market rules.

In accordance with the requirements documented in the exemption the IMO has completed its
investigation as to the impacts of not translating the market schedule and dispatch instruction values
to the defined metering point. The study, Appendix A attached, identifies the impacts on the market
and its participants and aids in the understanding of the issue. The study also provides the needed
analysis/data used in the determination of materiality.

As part of the analysis the IMO considered two possible implementation options which include a:

1. “correlation factor” approach which is a more complex approach which attempts to address
metering inaccuracies as well as operational meter to revenue meter losses; and

2. “losses only” approach which ignores metering error.

Costs to Implement

The characteristics of the two options are described in more detail in Section 5 of the Appendix A.
Since materiality is in part a function of cost to implement versus savings, the two options investigated
did have varying impact on cost benefit but do not alter the final recommendation. In both cases the
IMO undertook to determine the cost to the IMO and the market participants to implement either
functionality. The IMO costs are shown in Section 5 of the Appendix A and are estimated to be for:

Option 1 - ~$690k ($340k for system changes and $350k plus $50k /year for ongoing maintenance
of the meter data); and

Option 2 - ~$340k (for system changes).

It is not possible to know with any accuracy what each participant’s cost would be without market
participants individually assessing their required system and process changes. For the study however,
the IMO based on similar experiences associated with determining loss factors for revenue meters and
based on some participant feedback has estimated the market costs of option 1 & 2 as $350k and
$320k respectively (Appendix A Section 5). One very important aspect that cannot be overlooked is
the human resources required to implement the functionality. Again based on the lessons learned from
the revenue meter exercise the determination of loss factors for the ~300 meters is a significant
undertaking which could take up to 2-years.

Congestion Management Settlement Credit (CMSC) Impacts

The subject functionality, if implemented, would only have the impact of changing the determination of
CMSC payments. The CMSC calculation uses a numbers of inputs including market-clearing price,
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offer price, actual output, market schedule and dispatch instruction. The impacts of implementing the
subject functionality on CMSC would be manifested in the latter two inputs. Examples of how this
calculation is impacted can be found in section 5.5.3 of Appendix A. Unfortunately without going
through the exercise of determining the loss determination identified above it is impossible to know
exactly the impacts of this change. The study does however make some informed assumptions as to
what those loss would be and uses these values to approximate what the dollar impact of the
calculation may be. The study uses two assumptions, one which assumes a loss factor of 0.5% from
operational meter to DMP and the other is 1%. After reviewing a sample of “meter maps” it is expected
that the 0.5% assumption represents more realistically the impact as compared to the 1% which is
much higher and can perhaps be used as a value that identifies the maximum possible impact. As
shown in Appendix A section 5.5.4 the impact on CMSC should this functionality be introduced,
assuming a 0.5% factor, is a net decrease of CSMC of ~$100 000 (and $200K assuming 1%)
compared to an annualised cost of ~$109 million.

Additional Considerations

Another concept articulated within the study is that of meter evolution. Some participants are installing
“hybrid” meters, which have operational and revenue meters at the same point and as more of these
meters are introduced the impacts of implementing this functionality are reduced. Although the
recommendation is supported by this meter evolution the study however does identifies some potential
impediments to the wide spread uses of such meters.

The study is silent on one intangible issue and that is market participant behaviour. Where a dispatch
instruction is issued to an operational meter and the settlements are based on the defined metering
point (DMP) at a deferring location the participant may adjust their offer prices to reflect the
differences. As an example if the dispatch instruction was for 100 MW and there was a 1% loss to the
DMP the participant would be paid for 99MW for energy delivery. The reality is that the participant
generated 100 MW and would be paid for 99 and to make up that difference the participant may adjust
up their offer price such that they receive their costs for the 100 MW. This issue cannot be quantified
but could influence the outcome of the study by a small percentage.

Recommendation

Given the relatively low impact to the total sums of CMSC in the marketplace (100 k$ to 200 k$ per
year), coupled with the participant and IMO cost and effort to implement the functionality (~$700 k) the
IMO’s recommendation regarding the “Adjustment of Dispatch Instructions to the Defined Metering
Point “ is to remove the functionality from the existing market rules.
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Attachment A - Functional Deferral 6
Adjusting Dispatch Instructions to the Defined Metering Point

1. Background

In March 2000, the Technical Panel was informed that certain functionalities would be deferred beyond
the November 2000 market commencement date.

Functional Deferral-06 (FD-06), Adjust Dispatch Instructions to Defined Metering Point (DMP) was
presented as follows:

Deferral There will be no mapping of operational meter data to the
corresponding revenue metering point. (The Congestion
Management Settlement Credit requires such a transformation
because it defines the dispatch instruction as occurring at the point
of sale).

Major Implication Participants will be underpaid for both constrained on and off
payments. Losses could be in the range of 0 to 4% of output.

Current Assessment Current thinking shows that both over and under payments to
dispatchable facilities can occur.

TP Comments (March 7, Acceptable. Staff should examine if something can be done to
2000, TP-36) mitigate the impact of the high loss situations. The Panel noted that
the losses could be significantly larger when looked at as a
proportion of the CMSC.

Implementing this functionality:
= will require mapping of the operational meter data to the point of sale; and

= will impact CMSC as the dispatch instruction is currently treated as occurring at the operational
meter.
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2.  What Will Change?

What will change?

Operational
M eter DMP

FUTURE

Digpatch Instructions (DI) and Market Schedules (MS) are issued to the
Operationa Meter for realtime dispatch BUT are converted to the DMP prior
to settlements.

Dispatch and dispatch compliance is measured at the Operational meter.

«Settlement (CM SC) uses the DI and M S referenced to thedefined metering
point.

*Actual output and energy payment is based on the AQEI which isthe RWM
actual converted to the DMP using a correlation factor.

Indapandant
Eluciricity
Market Dperator 4

3. Market Rules

Market rules in chapter 9 were amended for Baseline 3.1 by MDI-103 subs 30 to 34; and were
approved by the IMO Board on August 18, 2000. The market rules now read as follows:

3.1.4A  For the purposes of sections 3.1.3, 3.1.4 and 3.5.2, “location m” in respect of market
participant k shall mean:

3.1.4A.1 until the date that is the last day of the ninth calendar month following the market
commencement date, calculated from the first day of the calendar month
immediately following the month in which the market commencement date
occurs,

the location of:
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a. the relevant meter used by market participant k to meet the monitoring
requirements of section 7.3, 7.4, 7.5 or 7.6, as the case may be, of Chapter
4 in respect of registered facility k/m, where such requirements apply in
respect of registered facility k/m; or

b. the RWMfor registered facility k/m, where the monitoring requirements of
section 7.3, 7.4, 7.5 or 7.6, as the case may be, of Chapter 4 do not apply in
respect of registered facility k/m; and

3.1.4A.2 after the date referred to in section 3.1.4A.1, the RWM for registered facility k/m.

4.  Exemption Application

An exemption to chapter 9, section 3.1.4A was granted to the IMO for the period of March 1 to August
1, 2003. A condition of the exemption was to:

= provide a detailed study to identify and better understand the implications on the
marketplace;

= identify and understand the impacts associated with implementing the functionality
(Market Participants and the IMO);

= determine whether or not the implementation of this functionality will materially benefit the
marketplace; and

= stakeholder recommendations with Market Participants.

5.  Areas of Impact/Assessment

51 IMO Costs to meet the Intent of FD-06

Actual implementation details are not finalized but there were two general approaches reviewed in the
study. The options reviewed were:

1. “Correlation Factor” approach; and

2. “Simple Loss Factor” approach.

5.1.1 Derive a correlation factor between the operational and revenue
meters (Option A)

This alternative assumes that it is relevant to deal with the accuracy difference between the
operational meter and the revenue meter. Thus the identity of the operational meter is of interest.

The approach consists of deriving a correlation factor between the operational meter and the revenue
meter. This factor includes the accuracy difference, losses (transformer and secondary wiring), and
loads tapped off. However, each of the components of the factor cannot be separated out.

In order to determine and manage these correlation factors, it is necessary to perform the following:

The market participant has to register the operational meter with the IMO.
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The market participant has to determine the correlation factor and submit the information to the
IMO.

The IMO has to complete the registration.
The IMO and the Participant have to perform annual review.

At least a year of data is necessary to establish the correlation factor. It is assumed the participant has
the data on hand to perform this calculation. It is also assumed that there is one-to-one correlation
between operational meter and revenue meter. Complexities of certain involved totalization cases and
certain cases of disaggregation may complicate the solution.

Assume that there will be 300 operational meters that will require this process. Also, assume that the
data to establish the correlation factors is available. The cost of implementation is as follows:

Registration of a meter will cost $2,000, split evenly between the participant and the IMO. 300
meters will require a total of $600,000. The registration cost is much less than that of a revenue
meter because there is no need to determine the delivery point, establish losses, set up and test.

The participant establishes the correlation factor. It is estimated this will take $50,000, assuming
the bulk of the meters are with OPG and with data already stored in database.

IMO will have to significantly enhance existing market rules and manuals. It is estimated this will
take $50,000.

On an ongoing basis, the following operational cost will be incurred:
The correlation factor will need to be updated, at a cost $50,000 per year.

It is assumed that operational meter trouble handling will be done by Operations as it is today. The
Settlements’ Meter Trouble Reporting System need not be used.

In summary, the total implementation cost for this alternative is $700,000 split evenly between the IMO
and MPs. The total operational cost is $50,000 per year for the Market.

Based on previous experience defining the RWM/Defined Meter Point (DMP) relationship this activity
could take upwards of 2 years.

512 Derive the losses between the operational meter and the DMP
(Option B)

This alternative is only interested in reflecting the operational meter to the DMP. Typically, the
operational meter is located on the low voltage side. Between the meter and the DMP is a transformer.
It is also possible that there is load tapped off. The identity of the operational meter is of no interest.

The operational meter will not be registered with the IMO. Losses in the secondary wiring of the
operational meter are of no interest. Losses of the transformer will be determined using transformer
data. Installations with loads between the operational meter and the RWM would need further
consideration. The Market Participant will be required to report future changes to the IMO.

Assume that there will be 300 operational meters that will require this process. The implementation
cost consists of:

The cost of loss and load determination at $1,000 per meter.
The cost of revising the Market Rules at $20,000.
Thus, the total implementation cost is $320,000. The operational cost is relatively small and is ignored.
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52 Market Costs to Meet the Intent of FD-06

The IMO has initiated discussions with our vendor with regard to the system changes required to meet
the requirements of FD-06. Based on the understanding of having to move both the constrained and
unconstrained schedules to the revenue meter point the IMO costs (vendor system changes to both
DSO and Settlements, testing and documentation) will total about $350kCAN.

The IMO will need to modify the DSO constrained and unconstrained schedules by specific factors or
sets of factors and post these revised schedules on our web site. This will all be done the day after
the dispatch day. We will then also have to pass these on to our settlement systems such that they
use these revised constrained and unconstrained schedules as opposed to the ones they use now.
The IMO will not be revising the demand calculations used for the development of MCP and HOEP
prices.

The $350,000 consists of the VCR118_2a which costs about $157kUSD @1.5 = $235kCAN. Including
15% for testing and documentation increases this to $270kCAN. The final $80kCAN would be for
changes to PLC and CRS, posting in new reports the new dispatch instructions for the constrained
and unconstrained schedules for energy and operating reserve. Also included would be the work
required to load the correlation factors into the MIS databases and make changes to SDR. The vendor
has stated it will take up to 18 weeks (4 ¥2 months) for them to deliver their software. Testing and
documentation time will be on top of this and we will require to work this into our Release management
dates, as this is will be a very impactive market facing change.

Only market participants that are dispatchable would be affected by this change. The costs for the
market participants to make these changes will vary from participant to participant. However, for the
dispatchable market participants who need to make changes they will most likely need to change their
data acquisition tools to obtain the IMO'’s revised constrained and unconstrained schedules from the
IMO’s web site. As well they will have to change their settlement tools to point to these new sets of
data.

At the time of publication the IMO has not determined the costs to modify the offers to accurately
calculate the CMSC. These changes are necessary to ensure that when the CMSC MW adjustment
crosses price laminations that the CMSC is calculated at the proper offer price. As an estimate
however a 25% increase to the VCR cost can be used and results in a total cost $340k.

5.3 Meter Evolution

Some new meter installations have "hybrid" meters with the RWM and operational meter at the same
source. If this trend continues then this functionality is no longer required as the issue of differences in
loses and payments would disappear. Market Rule changes would be required.

Although a market participant has started down the road of using PML meters as a source for both
revenue data and real time telemetry, issues such as divergent standards may impede this evolution.
The rules require an RTU problem on the operational meter side to be corrected in 24/48 hours
depending on how impactive the facility is (chapter 4). RWM errors due to the validate, edit & estimate
(VEE) process have to be resolved within 6 days. When using a combined meter if the problem is
related to anything on the MSP administered part of the box (Revenue meter), the point could be down
for up to 6 days (chapter 6).

The IMO's difference in requirements between the Operational Metered side of the house 24/48 hrs
and the Revenue meter side of the hours up to 6 days could lead to a significantly increased
contracting cost with the participants MSP that may overwhelm the savings of the 1 meter approach.
This could be overcome if the MP has backup telemetry, but most don't at this point. The participant
who has been installing the single PML as a source for both revenue data and real time telemetry, are
looking at backing away from this type of arrangement.
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5.4 Compliance Impact

The process for assessing non-compliance with dispatch instructions currently uses the operational
meter quantity, comparing this to the dispatch instructions. It is anticipated that an adjustment to the
dispatch instruction would create minimal problems for this process.

If the proposed change of adjusting schedules to the DMP would provide two dispatch instructions,
one at the DMP and one at the Operational metering location (the current situation), this should not
cause a problem for the IMO non-compliance assessment. Two instructions would in fact represent a
back up, if the operational meter was not functioning, the settlement revenue meter quantity could be
compared with the adjusted dispatch instruction.

If the proposed change leads to only a single instruction at the DMP replacing the instruction at the
operational meter point, this would necessitate using the revenue meter data without the alternative of
a backup.

A change to a single instruction at the DMP would cause significant problems, mainly because plant
operators do not have an “energy” readout on the panel to control to, only an instantaneous MW.
Also, with the current rules we cannot enforce compliance to a ramp, only to the MW at the end of the
interval. This is a fundamental change, we would be enforcing compliance against a parameter
(energy) that was not used in the original scheduling of the resource (DSO use of an instantaneous
MW).

Rule changes to allow this would not pose a significant cost.

Timing is not an issue for MACD, but would be for the control room who do not have access to
revenue meter data in real time. Since RWMs and operational meters can vary the most during the
time periods when the CRO has the greatest concern for compliance, this will not be acceptable.

55 CMSC Evaluation

Modifying schedules to reflect the DMP primarily affects market payments through the CMSC
calculation. This section attempts to quantify the impact of the potential rule change on these
payments.

OR payments, which are based on scheduled quantities would change in terms of how much is
assessed as being provided by each facility. However, since the total quantity required would remain
constant, the net payment by the market to OR providers would not change.

Congestion payments for energy are related to the operating profits associated with the market
schedule (MQSI), the dispatch schedule (DQSI) and the actual energy injection or withdrawal (AQEI or
AQEW). There are also congestion payments for Operating Reserve related to comparable operating
reserve quantities.

551 CMSC Payments

In the following analysis, we focus only on the bulk of payments that may be affected by the deferral.
To this end, consider congestion payment data in the recent Discussion Paper used by the Market
Surveillance Panel (MSP) for their CMSC consultation. Table 1 reports CMSC payments from May to
December 2002, showing positive and negative CMSC for energy, and the net payments for operating
reserve.
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Table 1. CMSC Payments for Energy and Operating Reserve - May to December 2002

CMSC Positive CMSC payments for | Negative CMSC payments for | Total CMSC for

energy energy Operating
Payments Reserve

Constrained | Constrained Constrained Constrained
($million)
on off on off

Fossil 9.5 25.4 -0.9 -0.0 -0.3
Hydroelectric 22.9 18.4 -1.9 -0.2 2.2
Nuclear 0.2 3.6 -2.1 - -
Imports 83.6 15.8 -4.6 -34.3 0.0
Dispatchable 0.1 5.7 -0.0 - 0.1
load
Exports 0.3 10.5 -0.2 -04 0.0
TOTAL 116.7 79.3 -9.7 -34.9 2.1

Import and export CMSC would not be affected by a rule change in the sections in question. The bulk
of the remaining payments are to fossil and hydroelectric generation, totalling $29.6 M (net positive
and negative) for constrained on operation and $43.6 M for constrained off operation. Net payments
to nuclear generators and dispatchable load are $1.7 M and $5.8 respectively; because of their
relatively low magnitude and other complicating factors, these are not considered in the impact
calculations below.* CMSC for OR is small, and is unlikely to be sensitive to the DMP adjustment.

55.2

MW Adjustment

Schedule quantities are currently viewed as consistent with the operational meter point. Any
adjustment of the schedule quantities to the DMP would thus reflect the difference between the
operational meter point and the DMP, where settlement quantities are calculated (as derived from
revenue meter data). In order to assess what the adjustment may be, we can therefore consider the
differences in readings between the two types of meters.

These difference were addressed in the earlier assessment related to preliminary and final pricing2 In
that analysis, four key areas of price variation were identified that may exist between the provisional,
preliminary, and final prices, induced by differences in meter readings. The differences were:

! The largest portion of the payments to generators and dispatchable load are not related to transmission and
security constraints, but rather to other factors such as dispatch deviations, and message filtering. The MSP

discussion paper identified such payments and questioned whether these should remain asthey are, so there
could be some uncertainty about these being sustained in future.
2 Recommendation: Preliminary & Final Pricing; May 31, 2002, IMO_STM_0001, p.6
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Type 1: Difference resulting from failures in telemetry, operational data feed or the DSO itself;

Type 2: Differences resulting from the locational disparity between operational and revenue

metering;

Type 3: Differences resulting from the accuracy levels between operational and revenue
metering; and

Type 4: Differences owing to changes in the revenue metering data as are result of VEE.

It is the type 2 locational differences, which are relevant to the current assessment. Type 2
differences reflect physical losses as well as apparent losses due to station service load, which may
be served by a feed between the two meter points.

Unfortunately the locational difference data is not easily determined.

We have postulated 2 possible approaches to making adjustments to schedule quantities.

a) One alternative is to consider the differences between points to be somewhat of a variable, and
that the best estimate is based on recent historical data. For example, if station service levels
change this can affect the adjustment. Based on historical data, this would be relatively
straightforward to determine.

b) The second approach is to assume a constant difference, reflecting relatively fixed physical losses

and a fairly constant (or zero) impact from station service load. Determining this quantity might
require far more time-consuming measurements at each facility. In light of the data observed
below, the former implementation may be subject to error.

The diagram below shows where these differences manifest themselves between the different prices
identified above.

Figure 1 : Differences Between Provisional, Preliminary and Final Prices

: /‘ Provisional Prices

Operational Meters
Type 1 Differences

Re-published
(“*Administrative”)
Provisional Prices

* Type 2 and 3 Differences

DSO

v » Some residual Type 1 Differences (?)

y

Preliminary Prices
Revenue Meters y

Type 4 Differences

/‘ Final Prices
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Operational vs. Revenue Mater Data

We have looked at a sample for the first seven days of December 2002, comparing operational meters
and revenue meter results®. Observed differences from these would not be due to type 2 causes
alone, but would also reflect type 1 (e.g. telemetry or operational data feed problems) and type 3
accuracy differences in the meters. Even with these type 1 and type 3 differences, this comparison is
of potential interest, as noted above, because one possible alternative implementation of the schedule
adjustment would be to look at recent historical differences in the two sets of meter quantities.

Table 2 : Operational versus Revenue Meter Differences

Difference Fossil Hydroelectric Adjusted Total Fossil &
Hydroelectric
Adjusted Hydroelectric

MW 6.3 -72.9 -29.9 -23.6

% Dispatch 0.12% -2.03% -0.95% -0.27%

Averages over the week were taken in order to smooth out some of the type 3 random inaccuracies in
the meters. Aggregates across groups of generators is intended to suggest the net impact on average
of such differences.

The aggregate data for fossil units shows a very small difference on average, just over 0.1%. Note
that a positive difference indicates the operational meter has a higher reading than the revenue meter.
Individual facilities exhibited larger differences, as much +/- 5 MW per unit, which is roughly 1% of the
capability of some of these units.

Hydroelectric units exhibited some surprising results. On average the operational meter was lower
than the revenue meter by more than 2%. This is not consistent with the expected result. Some hydro
plants do have operational meters on the high side of the unit transformer, which may be further from
the generating unit than the DMP; such cases should lead to small negative differences. For several
facilities, the physical locations for the meters is the same (there is only one meter providing both
values), and these should lead to 0% difference. However, for many facilities the revenue meter
should read less due to losses as power flows from the operational meter to the DMP. Station service
is fairly small at hydroelectric plants, so typically the unit transformer losses are most significant.

Since some of the worst cases (negative differences) were at remote plants, it is possible type 1
differences (telemetry problems) influence the result. Removing some of the more questionable
results (more than 5 MW differences at a plant) gives the Adjusted Hydroelectric figure, which now
approximately a —1% difference.

The aggregate figure for fossil and adjusted hydroelectric is -0.27%. These negative values are
believed to be dominated more by telemetry and meter accuracy problems than by location differences
of the two meters.

Inference from Revenue Meter Loss Adjustments

Another approach is to consider unit transformer information, some of which may have been identified
when revenue meters were being registered.

The DMP is the high voltage side of the unit or plant transformers. Part of the revenue meter
registration was to determine the losses or adjustment factor between the meter and DMP. While

3 Operational meter quantities are from the Pl database; revenue meter quantities are the AQEI used in
Settlements, derived for the DM P through the totalization process from the underlying revenue meter quantities.
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most revenue meters are located on the high voltage side of the transformer, transformer loss values
were required for those meters on the low side of the transformer. Knowledge of unit transformers
also suggests typical values for the losses are in the 0.3% to 0.7% range. Where specific
measurements were / are not available the value was / is assumed to be 1%.

Where operational meters are on the low side (most common situation) the above noted transformer
losses would be relevant to the adjustment of schedule quantities to the DMP. Station service feed at
some plants would also tend to drive up the total loss or adjustment value. For other plants we see
that revenue meters and operational meter data are identical, i.e. a 0% difference, and in a few
instances, the operational meter reads less. That is, it is expected that in specific cases, the
adjustment could be greater than 1% or could be negative.

Representative Loss Adjustment

Given that it is difficult to accept the above sample of measured differences between operational and
revenue meters as the appropriate adjustment, even in aggregate, we conclude that using 0.5% to 1%
would appear to be a representative ball park figure for the adjustment. However, it recognized that for
some facilities, the adjustment may well be more than 1%, while for a limited number the correct value
would be negative.

55.3 Translating the Loss Adjustment into Changes in CMSC

In order to quantify the impact on the CMSC paid, consider the typical situation in which the DMP is
more distant from the generation facility than the operational meter and the currently implied
scheduling point. Assume that, as determined by some process, the reading at the DMP is f % lower
than the operational point (e.g. f=1% as above).

Constrained On Case

Assuming the generator’s operational meter equals the dispatch (or constrained schedule), in a
constrained on situation, figure 2 shows how CMSC would be currently calculated and how the
adjustment of the schedules to DMP would lead to a different, or adjusted, CMSC.

Figure 2: Current vs. Adjusted CMSC — Constrained On

Constrained Schedule (CS)
Adjusted CS = (1-f) * CS= AQEI
“Adjusted” “Current”
MW CMSC CMSC
v Market Schedule (MS)

Adjusted MS = (1-f) * MS

Both the adjusted CS and MS at the DMP are f % lower than the corresponding quantities which are
currently quoted at the operational meter point.

The CMSC calculation is:
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CMSC = OP (MS) — max [OP (CS), OP (AQEI)]
With some simplifications, this can be translated into a more intuitive formulation:
CMSC = constrained on MW * [Offer — MCP]
= [min (CS, AQEI) — MS] * [Offer —-MCP]
This suggests that the CMSC paid is proportional to the effective constrained on quantity, i.e. the

difference between the market schedule and the lesser of the constrained schedule or the actual
output. Thus changes in the applied MW quantities directly influence the constrained on CMSC.

In Figure 2, the current application suggests CMSC is proportional to AQEI — MS, since AQEI, the
revenue meter quantity at the DMP is, in this case, equivalent to (1-f) * CS. Thus,

Current CMSC is proportional to (1-f) *CS — MS

If the DMP adjustment were applied, then the relevant MS for the calculation is the adjusted value (1-f)
* MS, and:

Adjusted CMSC is proportional to (1-f) * CS — (1-f) * MS

The impact of using adjusted schedules for CMSC in a constrained on case is that CMSC paid to a
generator would be higher:

Adjusted CMSC - Current CMSC is proportional to
[ (@-H* CS - (A-H*MS ] —[ (1-f) *CS — MS]
= f*MS
Thus if MS =100 MW, CS = 200 MW, and f = 1%,
current CMSC is based on (1-1%) * 200 — 100 = 198 — 100 = 98 MW
adjusted CMSC is based on (1-1%) * 200 — (1-1%) *100 = 198 — 99 = 99 MW
difference in CMSC based on 99 — 98 =1 MW

In this constrained on example, where the constrained on MW (CS —MS) is comparable to the market
schedule quantity, the current CMSC underpays by about 1% (= f) relative to the adjusted CMSC
calculation.

There are many other possible scenarios — where the market schedule is higher or lower, where the
actual production as viewed at the operational meter is above or below the constrained schedule.
Each leads to a different result, with higher or lower impacts. However, the above case, where the
impact is comparable to the adjustment factor f, is used later as representative of the magnitude of the
impact on constrained on CMSC payments.
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Current vs. Future - Constrained ON

Operational
M eter Di/IP
: >
Today & Futurethe RT dispatch

istoaDl of 150MW.

TODAY FUTURE
MS=100 MW MS=99 MW
DI =150 MW DI =1485MW
AQEI =1485 MW AQEI =1485 MW
CMSC Quantity =48.5 MW CMSC Quantity =49.5 MW

Thisillustration showsthat during a constrained “on” event the constrained
participant isreceiving less CM SC than if the functionality were implemented.
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Constrained Off Case
A similar assessment can be developed for a constrained off case.

Figure 4: Current vs. Adjusted CMSC — Constrained Off

Market Schedule (MS)
Adjusted MS = (1-f) * MS
“Adjusted” “Current”
CMSC CMSC
v .
MW 3 Constrained Schedule (CS)

Adjusted CS = (1-f) * CS = AQEI
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With some simplifications, the constrained off case can be translated into the more intuitive
formulation:

CMSC = constrained off MW * [MCP — Offer]
= [MS - max (CS, AQEI) * [MCP - Offer]
Based on Figure 3, for the constrained off case:
Current CMSC is proportional to MS — CS

If the DMP adjustment were applied, then the relevant MS and CS for the calculation are again the
adjusted values, and:

Adjusted CMSC is proportional to
1-f) * MS - (1-f) * CS
= (1-f) * (MS - CS)

The impact of using adjusted schedules for CMSC in a constrained off case is that CMSC paid to a
generator would be lower:

Adjusted CMSC - Current CMSC is proportional to
[(@-H)* (MS-CS)]-[MS -CS]
= f*(MS -CS)
Thus if MS =200 MW, CS =100 MW, and f = 1%,
current CMSC is based on 200 — 100 = 100 MW
adjusted CMSC is based on (1-1%) * 200 — (1-1%) *100 = 99 MW
difference in CMSC based on 100 — 99 =1 MW

In this constrained off example, the current CMSC overpays by about 1% (= f) relative to the adjusted
CMSC calculation.

The difference of 1% (or f) is not dependent on the selection of MS or CS, and would apply generally
in constrained off cases. Of course to the extent that the actual production is different from dispatch,

difference due to the DMP adjustment would vary in specific cases. Again, this simple case is
selected as representative.
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Current vs. Future - Constrained OFF

Operational
M rer DiA P
Today & Future the RT dispatch ’
istoaDl of 150MW.

TODAY FUTURE
MS =200 MW MS=198 MW
DI =150 MW DI =1485MW
AQEI =1485MW AQEI = 1485 MW
CMSC Quantity = 50 MW CM SC Quantity = 495 MW

Thisillustration showsthat during a constrained “ off” event the constrained
participant isreceiving more CM SC than if the functionality wereimplemented.
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554 Application to Observed CMSC Results

The above representative impacts are applied to CMSC payments to derive the estimated CMSC
impact of adjusting schedules to the DMP.

It was concluded that the loss impact or adjustment factor is in the range of 0.5% to 1%, based not on
observed meter reading differences but primarily on losses across the unit transformers.

It was also concluded that the impact of the adjustment on CMSC for constrained on cases would be
to add about f % to CMSC (the current CMSC represents an underpayment). For constrained off
cases, the impact of the adjustment would be to reduce CMSC by about % (the current CMSC
overpays).

The CMSC data quoted at the beginning of this section covers the 8 months from May to December
2002. To extrapolate to a 12 month period, we simply add another 50% to the figures. This leads to
approximate annual CMSC payments to fossil and hydroelectric generators of 1.5 * $29.6 M = $44.4 M
for constrained on operation and 1.5 * $43.6 M = $65.4 M for constrained off operation.
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Table 3 : Net Annualized CMSC Impacts

Annualized CMSC

CMSC Decrease ($M)

Adjustment factor

Adjustment factor

($M)
f=0.5% f=1.0%
Constrained On 44 .4 -0.5% *44.4 -1.0% * 44.4
=-0.222 =-0.444
Constrained Off 65.4 +0.5% * 65.4 +1.0% * 65.4
= 0.327 = 0.654
Total 109.8 0.105 0.210

Because of the opposite effects of the impact on constrained on and constrained off payments, the net
effect is estimated to be relatively small. Even for the larger adjustment factor, 1%, the annual net

decrease in CMSC is $210,000.

555 Quantifying CMSC

Impacts

= |mport and export CMSC payments are not affected due to the use of schedules for settlement;

= Preliminary review indicates that CMSC payments for OR are also unaffected due to the use of

schedules for settlement; and
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